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Understanding the Steam-Hammer
Mechanism in Steam-Assisted-Gravity-
Drainage Wells

Mazda Irani, RPS Energy

Summary

Steam-assisted gravity drainage (SAGD) is one of the successful
thermal-recovery techniques applied in Alberta oil-sands reser-
voirs. When considering in-situ production from bitumen reser-
voirs, viscosity reduction is necessary to mobilize bitumen,
thereby flowing toward the production well. Steam injection is
currently the most effective thermal-recovery method. Although
steamflooding is commercially viable, condensation-induced
water hammer (CIWH) resulting from rapid steam-pocket con-
densation can be a challenging operational problem. In steam-
flooding, steam is injected through a well down to the reservoir,
warming it to temperatures of 150 to 270°C (302 to 518°F) to lig-
uefy the bitumen inside the reservoir (Garnier et al. 2008; Xie and
Zahacy 2011). The liquefied bitumen then drains to a lower well
through which it is produced to the surface. In this process, steam
pockets can become entrapped in subcooled condensate inside ei-
ther the injection or the production tubing, causing a rapid col-
lapse of the steam pocket. This type of rapid condensation is
commonly referred to as “steam hammer.”

In this study, three different scenarios are explored to better
understand steam-hammer situations in SAGD wells. These sce-
narios are at injectors or producers during the startup phase (or
circulation phase), in the injection tubing during the injection
phase, and in the production tubing during the injection phase.
Modeling each of these scenarios indicates that a steam-hammer
occurrence is likely in two of the three scenarios, but that its inci-
dence can be mitigated. The likely scenarios for a steam-hammer
occurrence are in either the injection or the production tubing dur-
ing the startup phase, and in the injection tubing during the injec-
tion phase. Steam-hammer occurrences during the circulation
period can be controlled by lowering the injection pressure and
controlling water drainage into the reservoir. Flow shocks that
occur as a result of countercurrent flow limiting (CCFL) are very
likely to take place in the injection tubing during the injection
phase but can be controlled by injecting at a higher steam quality.
The least likely scenario for a steam-hammer occurrence is in the
production tubing during the injection phase. This is because the
produced (or breakthrough) steam temperature would need to be
more than 20°C higher than the produced-liquid temperature to
start a water-hammer condition.

Introduction

SAGD is one of several successful thermal-recovery techniques
applied in oil-sands reservoirs in Alberta, Canada. In SAGD,
steam injected into a horizontal injection well is forced outward,
losing its latent heat when it comes into contact with cold bitumen
at the edge of a depletion chamber. As a consequence, the bitu-
men’s viscosity falls several orders of magnitude, and it flows
under gravity toward a parallel horizontal production well a few
meters below the injection well. The horizontal production well is
typically placed 5 m below the injection well, but drilling toleran-
ces often cause this distance to vary between 3 and 7 m. A cross
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section of the SAGD process is displayed in Sections A through C
of Fig. 1. Section A shows the circulation stage, Section B
presents the early phase in which the chamber is not well-devel-
oped, and Section C presents the mature steam chamber in the
injection phase. As the oil flows away and is produced, the steam
chamber expands both upward and sideways (see Sections B and
C of Fig. 1).

As with other new, developing technologies, there can be teeth-
ing pains. At 5:33 a.m. on Tuesday, 5 May 2007, MEG Energy
became aware of a steam release at its Christina Lake project, the
site of its SAGD thermal heavy-oil Phase I Pilot Project. The con-
trol-room operator noted the incident as an “electrical blip and a
muffled pop sound” (ERCB Investigation Report 2008). A large
plume of steam was then observed rising in the direction of Pad A.
Although confirming the location of the release, MEG staff
observed the failure of the 24-in. (610-mm) steam pipeline. The
subsequent Energy Resources Conservation Board (ERCB) inves-
tigation determined that the pipeline failure resulted from a con-
densation-induced steam hammer. After this failure, great interest
has developed in the SAGD industry regarding whether steam
hammer can cause failure in injection or production wells inside
reservoirs. These tubing strings are of a much smaller diameter
than the 24-in. steam pipeline that failed at Christina Lake. Typi-
cally, injection tubing is between 2 7/8 to 4 1/2 in., and production
tubing is 3 1/2to 5 1/2 in., in SAGD wells.

Some studies, such as Carlson (2010), refer to steam hammer
as the trigger of Total’s Joslyn caprock failure. Carlson (2010) also
refers to the New York City steam-explosion incident of 18 July
2007, which caused a 40-story geyser, a towering cloud of billow-
ing steam higher than the nearby 1,047-ft (319-m) Chrysler Build-
ing (Daily News 2007; Milton 2007), and a crater approximately
35 ft (10 m) wide and 15 ft (4 m) deep (Barron 2007; Sahba and
Byron 2007). On the basis of Carlson (2010), this shows how cata-
strophic steam-hammer incidents can be, and that caprock fractur-
ing is plausible. Both the MEG Energy surface steam-pipe failure
and the New York City steam explosion involved a 24-in. steam
pipe, which is five to eight times larger than common steam-injec-
tion tubing in SAGD applications. This study discusses the effect
of tubing size on steam-hammer development, and evaluates the
tendency for steam hammer to appear in smaller pipes.

Steam hammer cannot be underestimated in SAGD applica-
tions. It can result in the following situations:

e Sand production, which may cause both production-liner
plugging and lack of liner support from the surrounding formation

o Ruptured injection or production tubing

e Pump failure

e Bent or burst injection or production liner, connection fail-
ure, liner ovalization

e Cracked liner and tubing, which may lead to future fatigue
failure or stress corrosion

Steam hammer not only can result in equipment damage but
also, in severe cases, can cause injury to facility personnel.

There are many exhaustive studies on CIWHs in the nuclear
industry (Block et al. 1977; Bjorge 1983; Bjorge and Griffith
1984; Chiu et al. 1986; Izenson et al. 1988; Chou and Griffith
1989, 1990; Griffith 1997; Chun and Yu 2000a,b; Barna et al.
2008, 2010a). This is because CIWH events are believed to be re-
sponsible for more than one-third of nuclear-plant failures [Yow





Caprock

Steam Temperature = T,

o

Vertical Drained Flow

s

Side Drained Flow

Initial Reservoir Temperature = T,

Fig. 1—Cross section of SAGD process; Section A presents circulation phase, Section B presents early phase, and Section C
presents steam-injection phase [modified from Irani and Ghannadi (2013)].

et al. (1988) found that steam hammers were responsible for 34%
of the 283 events compiled by Van Duyne et al. (1992)]. Although
many studies have been conducted on the nuclear industry, steam
hammer has never been monitored or evaluated in SAGD wells.
This oversight is because SAGD well pressure is evaluated by
“bubble tubes,” which cannot catch the small pressure peaks of
steam hammer, which usually happen in microseconds. Bubble
tubes work for continuous pressure change over much longer
durations, and can therefore cause monitoring and control issues
for steam hammer. Therefore, it all comes to physics and evaluat-
ing the steam hammer before it happens.

This study will attempt to evaluate steam hammer by use of
available theoretical and experimental methods. Commercial mul-
tiphase simulators such as OLGA (OiL and GAs simulator, SPT
Group) are capable of simulating steam-hammer events, but this
capability is ineffective because this type of behavior happens in
much shorter time periods (<0.01 seconds) than those normally
addressed by OLGA or other simulation software. A detailed dis-
cussion is provided in Appendix B. Even if the simulation were
run in extremely small timesteps (which would greatly increase
the simulation time), the induced pressure would be impossible to
calculate because, in simulations, the pressure climbs very rapidly
and would exceed data-table limits. Although complex two-phase-
flow codes developed for the nuclear industry (e.g., RELAPS,
TRAC, CATHARE, WAHA3, ATHLET, and DYVRO) are capa-
ble of steam-hammer analysis, the aforementioned difficulties
mean it is not noticeably beneficial to study CIWH with commer-
cial software. For example, the quick condensation module is not
available in RELAPS and CATHARE (Barna et al. 2010a). Barna
et al. (2010a) claim that WAHAS3 is the only proper simulator to
model steam hammer. Experimental validation is also needed for
most of these software programs, making usage difficult.

Description of Condensation-Induced Steam
Hammer

A condensation-induced steam hammer, sometimes called a
“condensation-induced water hammer” or a ‘“steam-bubble
collapse” or simply a “steam hammer,” is a rapid-condensation
event that can occur when cold water comes into contact with a
hot steam pipe. It occurs when a steam pocket becomes totally
entrapped in subcooled condensate (see Sections A and H of
Fig. 2). Steam condenses as it releases heat to the pipe walls and
to the subcooled condensate over which it resides (see Sections A
and B of Fig. 2). The vacuum volume caused by steam loss result-
ing from condensation induces fresh steam to flow into the steam
pocket to replace the vacuum space. Steam flowing over conden-
sate tends to draw up waves in the condensate by means of the
“Bernoulli effect” that results from pressure differences above the
wave crests (see Sections C and D of Fig. 2). A detailed discus-
sion is provided in Appendix C. The waves also grow because of
the shear stress on the front of the crests and the momentum loss
of the condensing steam (Chun and Yu 2000a, c). The Bernoulli

effect, the shear stress on the front of wave crests, and the mo-
mentum loss of condensing steam are destabilizing forces,
whereas gravity because of the differential density of water and
steam is a stabilizing force.

The higher rate of heat transfer between the entrapped steam
pocket and the subcooled water is a result of the cooling of the
liquid (i.e., water). If heat transfer is rapid enough at a given con-
densate level to cause sufficient steam velocity, waves will grow
until they seal the pipe (see Section E in Fig. 2). This seal isolates
the steam bubble from the upstream steam flow. At this point,
ongoing condensation causes the vapor void to collapse (see Sec-
tions F and G in Fig. 2) because the volume of condensate is
much smaller than the preceding volume of steam. The associated
drop in pressure within this void acts like a vacuum that causes
the condensate waves to crash into each other (see Section H of
Fig. 2). It must be noted that 1 kg of steam occupies 1,600 times
the volume of 1 kg of water at atmospheric conditions. This ratio
drops as the pressure along the saturation line increases. This is
similar to the temperature increase along the saturation line. For
SAGD applications, this ratio is between 27:1 and 364:1 (i.e., for
temperatures between 150 and 270°C). Larger ratios are corre-
lated with larger shocks. The lower ratios in SAGD wells can
mean smaller steam-hammer shocks than in surface steam pipe-
lines such as those in the MEG Energy and New York City distri-
bution pipeline failures. However, with the tendency toward low-
pressure SAGD application and lower injection temperatures, this
ratio will rise, potentially resulting in larger shocks.

In steam-distribution systems, such as power plants, the best
method to control steam hammer is through the installation of
steam traps. A steam trap has two major functions—to remove con-
densate as quickly as it forms and to prevent steam discharge (Swa-
gelok 2009, Document No. 1). It is impossible to install steam traps
inside SAGD wells because there is no access to surrounding lin-
ers. The installation of parts such as “drip pockets” is questionable,
because they should be placed perpendicular to steam-flow direc-
tion in horizontal liners. (A drip pocket is a properly sized vertical
line that removes drips of condensate that form in the steam line
because of thermal losses.) The best cure for steam hammer in
SAGD wells is to remove the system characteristics responsible for
its occurrence. This study attempts to pinpoint the parameters that
cause steam hammer and to evaluate the range of values at which
steam hammer is avoided. According to the famous saying in the
steam-system industry, “pressure and velocity cannot be relied on
to remove the condensate from the process” (Swagelok 2009).
However, the adjustment of velocity and flow rate is the only tool
one has against steam hammer in SAGD applications.

Holdup and Velocity Calculations for Horizontal
and Near-Horizontal Steam/Water Flow by Use of
Taitel and Dukler Stratified-Flow Theory

Predicting concurrent gas/liquid flow in pipes is a pivotal unre-
solved problem. This study uses a theoretical model by Taitel and
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Fig. 2—The stratified-to-slug transition as it leads to steam-bubble CIWH in a horizontal pipe [modified from Yow et al. (1988) and

Griffith (1997)].

Dukler (1976) to predict the holdup (or void fraction) value and
the velocity of gas and liquid flowing in the injection or produc-
tion tubing. The Taitel and Dukler (1976) theory shows a smooth
stratified flow (Fig. 3). In their model, Eq. 1 should be solved iter-
atively for dimensionless holdup value (hw = hy /D).

.25
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w
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where Uy and Uy, are the dimensionless velocity of condensate
and steam, respectively; Sw and S, are dimensionless wet perim-
eter of condensate and steam phases, respectively; S; is dimen-
sionless interface length between steam and condensate; Ay and
Ag, are dimensionless cross-sectional area of condensate and
steam phases, respectively; Dy and Dy, are hydraulic diameter of
condensate and steam, respectively; and X is the ratio of superfi-
cial liquid pressure drop (i.e., the liquid pressure drop as the liquid
phase flows alone in the pipe at a consistent rate) to superficial
gas pressure drop (i.e., the gas pressure drop as the gas phase
flows alone in the pipe at a consistent rate):

A
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Fig. 3—lllustration of equilibrium stratified flow suggested by
Taitel and Dukler (1976).
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where U;V and U; are dimensionless superficial velocity of con-
densate and steam, respectively; vy and v, are kinematic viscos-
ities of condensate and steam, respectively; m and n are exponents
in the friction-factor correlation for steam and condensate, respec-
tively; py and pg, are densities of condensate and steam, respec-
tively; and Cy and Cg are constants in the friction-factor
correlation for condensate and steam, respectively. The X parame-
ter was introduced by Lockhart and Martinelli (1949) and can be
calculated with the knowledge of flow rates. Y represents the rela-
tive forces acting on the liquid in the flow direction because of
gravity and pressure drop:
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where U; is the dimensionless superficial velocity of steam; vy
and vg, are kinematic viscosities of condensate and steam, respec-
tively; m and n are exponents in the friction-factor correlation for
steam and condensate, respectively; py, and pg, are densities of
condensate and steam, respectively; Cg, is a constant in the fric-
tion-factor correlation for steam; g is the acceleration of gravity;
and 0 is the angle between the tubing (or pipe) axis and the hori-
zontal, positive for downward flow.

Y equals zero (or nearly zero) for horizontal (or nearly hori-
zontal) tubing, as in SAGD application. In this study, the iterative
process used to solve Eq. 1 is based on trial-and-error methods.
For this purpose, trial-and-error iterations are based on holdup
value; all parameters in Eq. 1 should be functions of the dimen-
sionless holdup value. The parameters with a macron (7) placed
above them in Eq. 1 depend only on Ay, as presented in the
following:





TABLE 1—FRICTION PARAMETERS FOR STEAM AND WATER BASED STEAM- AND
WATER-FLOW REGIME

Different Regimes Cst m Cw n
Case 1:

Turbulent Steam and Turbulent Water 0.046 0.2 0.046 0.2
Case 2:

Turbulent Steam and Laminar Water 0.046 0.2 16 1
Case 3:

Laminar Steam and Turbulent Water 16 1 0.046 0.2
Case 4:

Laminar Steam and Laminar Water 16 1 16 1

Ay =0.25[n — Arccos (2hy — 1)

+ Qhw — 1)1 = Chy =1 ... (4)
Ag = 0.25 [Arc cos (2hy — 1)

—Qhy — D)\ 1= Qhy =1 ... (5)
A=A/D* . (6)
Sw=m—Arccos(2hw —1) ... .. (7
Sq=Arccos (2w —1) oo (8)
Si=A\/1—Qhw—17% (9)
U =A/Ay oo (10)
Usi =A/Ast oo (11)

where Uy and Uy, are dimensionless velocities of condensate and
steam, respectively; Sy and S, are dimensionless wet perimeters
of condensate and steam phases, respectively; S; is the dimension-
less interface length between steam and condensate; Aw and Ag,
are dimensionless cross-sectional areas of condensate and steam
phases, respectively; Ay is dimensionless holdup; A is dimension-
less flow cross-sectional area; and D is tubing diameter.
Accordingly, each X,Y pair corresponds to a unique value of
dimensionless holdup value (hy = hy /D) for all conditions of
tubing size, fluid properties, flow rate, and tubing inclinations for
which stratified flow exists. It must be noted that the frictional
properties (n, m, Cs;, Cy) should vary with steam- and water-
flow-regime variations. These parameter values, for different
water- and steam-flow regimes are presented in Table 1. For
example, if Eq. 1 is executed for the turbulent flow of steam and
water, then n=m =0.2, C5,= Cyy = 0.046. It should be noted that
the decision on the appropriate flow regime, whether laminar or
turbulent, in each phase should be based on the Reynolds number
calculated with the actual velocity and hydraulic diameter of the
phase, not the superficial velocity and diameter. In the Taitel and
Dukler (1976) model, the hydraulic diameter for the Reynolds-
number calculation is suggested by Agrawal et al. (1973) as

4A
Dy == (12)
Sw
4As,
Dy = — 0 13
T Se + S (13)

This implies that the wall resistance of the liquid and the gas is
similar to open-channel flow and closed-duct flow (Taitel and
Dukler 1976), respectively.

Conditions for Initiating Steam Hammer

Few phenomena have defied solution for as many years as steam
hammer (Coad 1986). The probable reason for this is the lack of
understanding of its cause (Coad 1986). Recent research has

revealed that the fundamental cause of steam hammer is the im-
plosion of vapor bubbles below the surface of the liquid conden-
sate (Coad 1986; Griffith 1997; Barna et al. 2008 and 2010a;
Carlson 2010). That is why it is sometimes called “condensation-
induced water hammer.” As a result of many studies (Block et al.
1977; Bjorge and Griffith 1984; Izenson et al. 1988), it is now
well-understood that a system of steam and subcooled counter-
flowing water in a horizontal pipe results in two-phase-flow inter-
facial instability (see Section C in Fig. 2), which can lead to an
isolated steam bubble becoming trapped within the condensate
(see Section E in Fig. 2), thus starting a severe water hammer.
The implosion of vapor bubbles requires that free vapor exists
within the liquid condensate, and that the vapor changes to a lig-
uid while still within the condensate, either by heat removal or
pressure increase. Removing heat can be a major cause of CIWH
in SAGD wells, and is percipitated by a heat exchange between
saturated steam bubbles and subcooled liquid. In general, steam
hammer is a function of the following:

e Liquid holdup (the liquid level inside the pipe): The higher
the holdup, the more likely the appearance of steam hammer.

e Steam velocity: The higher the steam velocity, the more
likely the occurrence of steam hammer.

e Pipe inclination: The higher the pipe inclination, the lower
the pipe holdup level, which clears the pipe and reduces the
chance of steam hammer.

e Liquid subcool temperature: Lower subcool temperatures
cause higher heat-transfer rates between entrapped steam pockets
and water, and thus higher induced steam velocity, increasing the
chance of steam hammer.

The basic study of steam hammer started in the mid-1980s
(US Nuclear Regulatory Commission 1984; Izenson et al. 1988;
Chou and Griffith 1989). These studies mostly focused on the
identification of the basic mechanisms for starting CIWH. Chun
and Nam (1992) were the first to present the idea of upper and
lower boundaries for CIWH. Chun and Nam (1992) and then
Chun and Yu (2000a,b) developed full studies on the upper and
lower limits of steam-hammer analysis.

Many experimental and theoretical investigations (e.g., Barna
et al. 2008, 2010a,b; Imre et al. 2010) confirm the following six
conditions (a through f), proposed by Griffith (1997), that must be
fulfilled to generate a CIWH scenario:

(a) The tubing must be almost horizontal (i.e., less than 5°).

(b) The subcooling must be greater than 20°C.

(c) The L/D (length/diameter) ratio of the tubing must be
greater than 24.

(d) The velocity must be low enough so that the pipe does not
run full; Griffith (1997) proposed that the Froude number should
be less than unity for satisfying this criterion.

(e) There must be a void nearby.

(f) The pressure must be high enough to cause significant dam-
age [for this purpose Griffith (1997) proposed that the pressure
should be greater than 10 atm].

SAGD Wells Satisfy Condition (a). The reason is that SAGD
pairs are horizontal with minor well sinuosity. On average, these
wells wander up and down randomly within a 2-m window
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Fig. 4—Variation of injection (Section A) and production (Section B) tubing vs. different liner size for SAGD projects in Alberta; the
size of the circle shows the number of projects for which the specific liner size and tubing size were used.

(Edmunds and Gittins 1993). This results in a vertical variance of
4 m between the injector and the producer, which is relatively
small considering SAGD wells range between 500 and 1500 m of
horizontal leg (Das 2005; Sharma and Gates 2011) (e.g., Shell
wells in Peace River are 1500 m in horizontal length, and AOS-
TRA UTF Phase B wells are 500 m). It is also believed that well-
bore-sinuosity increases the likelihood of steam hammer by
increasing the chance of liquid blockage and steam-bubble trap-
ping (Carlson 2010). The author believes that the wellbore sinuos-
ity effect is minor in SAGD wells, but studies such as Carlson
(2010) believe differently. Carlson (2010) provided some labora-
tory tests that show that multiple large sinuosity in SAGD wells
provides multiple points for water hammer to be started, which
increases the number of steam-hammer locations along the well.

Condition (b) Is Mostly Satisfied for SAGD Wells. For the cir-
culation phase, the subcool temperature ranges between 135 and
245°C, and between 30 and 40°C for the injection phase in the
production liner (Edmunds 2000) for typical subcool control. This
item will be discussed in detail for different suggested scenarios.

Condition (c) Is Satisfied for SAGD Wells. This is because the
injection tubing is between 2 7/8 and 4 1/2 in. in diameter (see
Section A in Fig. 4) and production tubing is between 3 1/2 and 5
1/2 in. (see Section B in Fig. 4); and typical SAGD wells range
from 500 to 1500 m, with L/D (length/diameter) ratio between
4,000 and 20,000, whereas this value can be as low as 100 for
heel-injection tubing.

Condition (d) Needs To Be Discussed in Detail.

Condition (e) Is Satisfied for SAGD Wells. Even in circulation
time, there is enough mobility in the water phase to drain a well.

Condition (f) Is Satisfied for SAGD Wells. The reason is that
the shallowest SAGD projects are approximately 125 m [e.g.,
Clearwater project, an Alberta Oilsands Company project in Atha-
basca. The depth value is referred to in Uwiera-Gartner et al.
(2011)], which is on the order of 12.5 atm considering the hydro-
static pressure.

Although the steam-hammer studies that began in the mid-
1980s (Block et al. 1977; Bjorge 1983; Bjorge and Griffith 1984;
US Nuclear Regulatory Commission 1984; Izenson et al. 1988;
Chou and Griffith 1989; Van Duyne et al. 1992) identified the basic
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mechanisms for starting steam hammer and presented some impor-
tant strategies for avoiding steam hammer, only one analytical
model for starting CIWH was established—that of Bjorge and Grif-
fith (1984). Bjorge and Griffith used the Taitel and Dukler (1976)
criteria to evaluate the transition from stratified to slug flow. In these
studies, there is no real appreciation of the heat-transfer studies con-
ducted for the evaluation of the growth or collapse of vapor bubbles
in a liquid (Ruckenstein 1959; Darby 1964; Florschuetz and Chao
1965; Wittke and Chao 1967; Florschuetz et al. 1969; Ruckenstein
and Davis 1971; Moalem and Sideman 1973; Chen and Mayinger
1992; Gopalakrishna and Lior 1992; Zolovkin et al. 1994; Gumerov
1996; Legendre et al. 1998; Hao and Prosperetti 2000). Chun and
Yu (2000a,b) were the first to include the heat-transfer mechanism
in their study of the collapse of vapor-trapped bubbles in subcooled
water in a horizontal pipe. Chun and Yu (2000a,b) presented a
model that gives lower and upper bounds for CIWH.

The criterion for the lower bound of CIWH presented by Chun
and Yu (2000a,b) is the transition limit for steam/condensate flow
from a stratified to a slug regime. There are many equations used
to identify this transition. These equations are presented, with
their references, in Table 2 as the lower-bound criteria. Kordyban
and Ranov (1970) suggest that the transition occurs because of the
Kelvin-Helmholtz instability of the liquid waves. Wallis and Dob-
son (1973) performed an experimental and analytical study of the
transition to slug flow in horizontal rectangular channels with air
and water at atmospheric pressure. Taitel and Dukler (1976) con-
sidered the Kelvin-Helmholtz instability, and found that wave
momentum needs to overcome the stabilizing effect of gravity.
Gardner (1979) developed a theory of slug formation on the basis
of energy flux. Mishima and Ishii (1980) introduced the concept
of a “most dangerous wave” (the wave with the largest growth
rate) and modified the numerical coefficient of the Wallis and
Dobson (1973) equation from 0.5 to 0.487.

The lower boundary results are what is called CCFL
(“countercurrent flow limiting”). With regard to steam systems,
CCFL may occur in the hot legs of pressurized water reactors.
With regard to SAGD applications, CCFL takes place only inside
injection tubing during the injection phase (mentioned in this
study as “Scenario 2”). As shown in Table 2, most of the theoreti-
cal models proposed for the transition from stratified to slug flow
in horizontal two-phase flow are expressed in terms of void frac-
tion, liquid holdup (or condensate holdup in this study), and the
nondimensional superficial velocity of the gas phase (or “steam”
in this study). For liquid holdup (which is simply 1 — void frac-
tion, also known as “gas holdup”), they are related as





TABLE 2—SUMMARY OF ANALYTICAL CRITERIA FOR THE ONSET OF SLUG FLOW
Authors Criterion Equation Comment
Used as a Kordyban (Ve — V) > K P 8 P 1
Lower and Ranov ‘ T Ve "7 \/ coth(ichy — 0.9) + 0.45c0th?(xhy, — 0.9)
Limit for the (1970)
Onset of
E:aen?rt::rm Wallis and T
Dobson (Vy — V) > 0.5, | Lw = Pur) 80t
(1973) Pt
Taitel and
Dukler VoS <1 o ) (pw — Ps) gAnCOSO
(1 976) o= IDTubing Pst dAw/d hw
Gardner ( 1) Iy 1
1—(1—-=)—=—— Fix = Pst (Vg = V), p = Pw
(1979) P, IDTubing A (o = py) Drwvingg” »)P Pst
_4F1a =33+ 0)(F1a)* +4(1+p) (Fia)®
Mishima 2-2(3+p)Fia+3(1+7) (Fra)?
and Ishii (Vi — V) > 0.487, [ 2w = Pu) 8l
(1980) Py
Chun et al. I
19%% eta . (pu — py) ghs Corticat Ceiticat = 1 (for a rectangular duct flow)
( ) Va2 \|————————— 321, IDTubing 2hy, .
Pst Ceritical = 1 +9—n? S 1- IDro: (fora plpe)
1/4/7-54_]?'._1 . . i . i Tubing
X m fi = 0 (for no interfacial shear stress)
Chun and o0, 8 10080 Cortical Ceritical = 1 (for a rectangular duct flow)
o Vor = Py Caritical = 1 +¥&IDT”M"Q p— (for a pipe)
(2000a,b) ‘ _ _ critical = s, S; IDubing pip
X¢(4/n+f,-><1—c>+c—1 Py 3T2(Veos)
4/m+fi—1 Py & hiC080 Ceitical
hy(Ty —T,) 1
Veond = M—
Ifg Pst
fi = 0 (for no interfacial shear stress)
= Ow . .
h — -~ 71.9905 = less fi ter fl t
suun and Ow Lower = 11_933201T27 / Ow owAVD (dimensionless feedwater flow rate)
—-08433 1+ 0. L/D -
(2000a,b) x D 1400450 /D D=D gaﬂ (dimensionless diameter)
w
—_ P P
P= Zatm + 7 (dimensionless system pressure)
atm
— Twi
T =21 (dimensionless inlet feedwater temperature)
sat
. _ T = Ow . .
Upper Limit Chun and rol — 0.0032 1-0.9214T 05604 0Oy = ——— (dimensionless feedwater flow rate)
forthe Onset  Yu Qw.upper = 0- 1-02720T owAVSD
f the St 2000a,b 10030 ~ 5 8p
Eam?neream ( a,b) o (%) exp(0.30027°%2%) D=D GWW (dimensionless diameter)
—~ P P . .
P = Tatm + 5 (dimensionless system pressure)
atm
_ Twi
T = % (dimensionless inlet feedwater temperature)
sat
hw=hy/D = 1—hg=hg/D ............... (14) This study uses the method proposed by Taitel and Dukler (1976),

where hy and hg, are heights of water (condensate) and steam,
respectively; and D is tubing (or pipe) diameter.

There are many empirical correlations used to describe the
multiphase flow and evaluation of the liquid holdup and the void
fraction for the flow of gas/liquid mixtures in wells (Duns and
Ros 1963; Hagedorn and Brown 1965; Beggs and Brill 1973;
Hasan and Kabir 1992). There is a relative error (i.e., between the
measured and predicted values of the pressure profile) of less than
20% for most of these approaches, depending on flow conditions.

which is the seminal study on multiphase flow for liquid-holdup
and void-fraction evaluation.

The criterion for the upper bound of CIWH presented by Chun
and Yu (2000a,b) defines the case in which the injected water
flow rate is large enough to equalize the reduction rate in the
steam volume because of refilling. An approximate expression for
the upper-bound criterion to avoid water hammer can be obtained
from the following relationship:
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Fig. 5—Comparison of generation of pressure shock in water
hammer (Section A) and CIWH (Section B) [Modified from Per-
kins (1979)].

where Qw i, is the water-inflow rate and Q. is the steam-conden-
sation rate on both the water surface and the pipe wall. Chun and
Yu (2000a,b) believed that if Eq. 15 were satisfied, the net steam
flow into the pipe would be approximately zero and would not be
large enough to generate a water slug.

This study uses the study by Chun and Yu (2000a,b) for both
the lower and upper bound. On the basis of Chun and Yu
(2000a,b), the following equations should be satisfied for steam
hammer to occur:

QW, Upper 2> QW,in > QW,Lower

1 - 0.921471_)_0,5604 <L) 1.0030

Ow. Upper = 0.0032

1 -0.2720T D
x exp(0.3002P" ) (17)
= —~1.9905 =—0.8433 1 +0.0127 L/D
=1.9352T D _—— 18
QW Lover 1 +0.0450 L/D (18)
where
= Ow
Ow=—20 19
v (19)
D=D/Y (20)
ow
- Pym+P
polam (21)
Pym
= Tw,in
T = ——— 22
TS'cl‘ ( )

where P,y is atmospheric pressure; P is injection pressure; P is
dimensionless injection pressure; T, is saturation temperature;
Tw,in is inflow-water temperature; T is dimensionless inflow-
water temperature; D is pipe or tubing diameter; D is dimension-
less tubing diameter; py, is water density; oy is interfacial tension
(IFT) between water and steam; A is cross-sectional area of tub-
ing; and g is acceleration of gravity.

The lower bound presented by Chun and Yu (2000a,b) is slightly
lower than that of the Bjorge and Griffith (1984) absolute stability
limit. This is because Chun and Yu (2000a,b) modified the Bjorge
and Griffith (1984) model, including the shear stress on the front of
the wave crest and the momentum loss of the condensing steam.
With these additional considerations, it becomes clear that the men-
tioned physics has a minor effect on the final results. The main dif-
ference between the model by Chun and Yu (2000a,b) and the
previous model presented by Chun et al. (1996) is that the latter
includes the momentum loss of the condensing steam.

Although the lower bound presented by Chun and Yu (2000a,b)
is largely unchanged from earlier works (e.g., Kordyban and Ranov
1970; Wallis and Dobson 1973; Taitel and Dukler 1976; Gardner
1979; Mishima and Ishii 1980; Chun et al. 1996), there is a signifi-
cant advantage in the use of their model as an upper limit. The
available models, such as Jackobek and Griffith (1984) and Chou
and Griffith (1990), do not consider pipe length, whereas others
such as Bjorge and Griffith (1984) and Chou and Griffith (1990)
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overpredict the upper limit of the steam-hammer region with the
pipe run full criterion (Chun and Yu 2000c).

Peak Pressure Because of Steam Hammer

As discussed, there is a lack of understanding concerning the
physics of steam hammer (Coad 1986); thus, it is not surprising
that few studies on the evaluation of peak pressure because of
steam hammer can be found. The first studies were at the Massa-
chusetts Institute of Technology, where Perkins (1979) tried to
evaluate steam hammer under the supervision of Peter Griffith.
They tried to modify the water-hammer equations into a new
equation. In theory, water-hammer pressure rise results from
high-momentum water affecting stationary water. Section A of
Fig. 5 presents a water-hammer scenario in which a continuous
column of water with initial velocity (#mpia) hits a stationary vol-
ume of water at Point (iii). In steam systems, this is caused by the
accumulation of condensate (water) trapped in a portion of hori-
zontal steam piping. The velocity of the steam flowing over the
condensate causes ripples in the water. Turbulence builds until
the water forms a solid mass, or slug, filling the pipe. This slug of
condensate can travel at the speed of the steam and strike the first
elbow in its path with a force comparable to a hammer blow.
When moving water affects stationary water, a water-hammer
pressure rise is generated at Point (iii) (see Section A in Fig. 5).
The force can be great enough to break the back of the elbow.
The following equation is presented by several researchers for
water-hammer pressure rise at Point (iii) (see Section A in Fig. 5)
(Perkins 1979; Wylie and Streeter 1993):

APWater Hammer = PwaterC Au = PwWater€ (uInilial - uFinal)

where py,., 1S the mass density of water, c is the speed of sound
in water, and Au is the differential velocity at impact, which
means velocity at Points (i) and (i) minus the final velocity after
impact, which is zero if Points (iii) and (iv) are totally stationary.
The variation of the speed of sound in water (or “sonic velocity in
water”) vs. temperature is presented in Section A of Fig. 6. The
sonic velocity in water varies greatly with temperature. Tempera-
ture is the major controller of the sonic velocity in water because
water density reduces as temperature increases.

If the ratio of the tubing’s wall thickness to its internal diame-
ter is much less than unity, then the modified sonic velocity in
water should be used instead to account for the elastic stretching
of the wall:

BWater
‘modified = | e e e 24
C modified | N BWaler OD —ID ( )
Pwater ESteel oD +ID

where By, is bulk modulus of water [which depends on tempera-
ture, but, on average, for 20 through 30°C subcooled water is equal
to 2.28 GPa (3.31 x 10° PsD]; Pwater 15 Mass density of water; Esieel
is elastic modulus of steel [i.e., 180 GPa (2.61 x 107 psi) for stain-
less steel (AISI 302) and 200 GPa (2.90 x 10’ psi) for structural
steel (ASTM-A36)]; and OD and ID are outside and inside diameter
of tubing, respectively. The variation of the sonic velocity in water
vs. tubing thickness from Eq. 24 is presented in Section B of Fig. 6.
As can be seen, the main controller is saturated water temperature.
Although the water hammer is the major problem in steam sys-
tems, it is not a potential problem for SAGD wells because of their
relatively small flow velocity in comparison with steam systems.
Steam can flow in a steam system at 18 000 m/min (60,000 ft/
min), but it reaches hardly half of this value in SAGD-injection-
well tubings. A detailed discussion is provided in Appendix D.
Steam-bubble collapse occurs when superheated water is
trapped within the subcooled water (Section B in Fig. 5). A vol-
ume of steam is trapped in Points (vi) and (vii) (see Section B in
Fig. 5), between a moving column of water and stationary water.
The controlling physics in steam-bubble collapse are liquid inertia
and heat transfer. As shown in Section B in Fig. 5, steam-bubble
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Fig. 6—Variation of sonic velocity in water vs. temperature (Section A); variation of sonic velocity in water vs. tubing thickness
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diameters (Section D), and different subcool temperatures (Section E).

collapse can result from liquid inertia at Point (v); or heat loss to
subcooled water; or coupling of heat loss and liquid inertia. A
dimensionless quantity (B) is defined for evaluating the dominat-
ing physics in steam-bubble-collapse phenomenon:

2
B = Pwater CWater AT | Kwater  [Pwater — I Kwater  [Pwater
pV, Sat LHeal RBubble AP R Bubble AP
................... (25)

where py,., 1S mass density of water; py g, is mass density of
steam at saturation; Cyqe, 1S specific heat of water; AT is subcool

temperature (AT = Tyt — Tambient); Kwater 1S thermal conductivity
of water; Rpupble 18 initial steam-bubble radius; Ly, is latent heat
of water; AP is differential pressure between final system pressure
[i.e., assumed 45 kPa, which is generally accepted as a maximal
average pressure drop for well pairs with a vertical separation of 5
m (Vander Valk and Yang 2005, 2007)] and initial vapor pres-
sure; and Ja is the Jacob number.

If B is sufficiently small, the vapor pressure becomes nearly
equal to the system pressure, and the heat transfer will control
the collapse. If B is sufficiently large, the vapor pressure will
remain at its initial value, and liquid inertia will control the col-
lapse. In cases of small B values, collapse rates are relatively
slow and decrease as the collapse proceeds. In cases of large B
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Fig. 7—lllustration of different steam-hammer scenarios in
SAGD application. Section A illustrates the startup or circula-
tion phase, Section B illustrates the steam hammer in injection
tubing during injection phase, and Section C illustrates inside
production tubing during injection phase.

values, collapse rates are high and continue to increase as the col-
lapse proceeds (Florschuetz and Chao 1965). Section C of Fig. 6
presents the variation of B vs. injected-steam temperatures for
different differential pressures. As can be seen, the differential-
pressure effect is minor, and can be neglected for the SAGD pro-
cess. Section D of Fig. 6 presents the variation of B vs. bubble di-
ameter (or pipe diameter as the maximal limit). The bubble
diameter shows a larger effect than does differential pressure, but
it is still not very dominating. Section E in Fig. 6 illustrates the
variation of B vs. injected steam for different subcool-tempera-
ture values. Knowing that the inertia effect is more visible for
larger B values, for the range of steam temperatures in the SAGD
process (shown in Section E in Fig. 6), one can calculate that if
the subcool temperature is lower than 1°C, the steam-hammer
shock is controlled by heat transfer, and if subcool temperature is
higher than 20°C, the steam-hammer shock is controlled by lig-
uid inertia.

Because B is relatively large for most SAGD applications, Eq.
23 is easily used with or without modified sonic velocity in water
(presented in Eq. 24) to evaluate steam-hammer shock. Given the
size of tubing used in the SAGD industry (Fig. 4) (i.e., 2 7/8-to 4
1/2-in. injection tubing and 3 1/2- to 5 1/2-in. production tubing),
the sonic velocity in water mainly depends on temperature varia-
tion (see Fig. 6) rather than tubing thickness.

Proposed Scenarios for Steam Hammer in SAGD
Wells

This study attempts to pinpoint the conditions causing steam ham-
mer. There are three different scenarios in SAGD applications in
which steam hammer could occur:

e Scenario 1. During the startup (or circulation) phase, when
steam is first injected into the well while the well is filled with
cold drilling mud at reservoir temperature (or preflowed to
cleanup before steam is introduced) (see Section A of Fig. 7).
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Fig. 8—Comparison of stratified-to-slug transition in injection
or production liner during circulation phase. Section A
presents low-velocity drainage (Frpain<44); Section B presents
high-velocity drainage (Frp..in>44) [Modified from Griffith and
Silva (1992)].

e Scenario 2. Inside injection tubing during the injection phase
when water condensing from low-quality steam may start steam
hammer (see Section B of Fig. 7).

e Scenario 3. Inside production tubing during the injection
phase when steam, resulting from inefficient steam-trap control,
flashes into tubing filled with subcooled fluid (see Section C of
Fig. 7).

Scenario 1—Startup Phase (or Circulation Phase). Conditions
in the startup (or circulation) phase are similar to what is seen in
condensate-return lines in steam systems. Condensate lines are
some of the largest contributors to steam hammer. Similarly, the
circulation phase is the most problematic production phase with
respect to steam hammer. Different criteria must be satisfied for
any steam-hammer phenomena. First, check subcooling tempera-
ture. In the case of circulation, we are dealing with steam temper-
atures of between 150 and 270°C (Garnier et al. 2008; Xie and
Zahacy 2011), depending on the reservoir pressure and allowable
injection pressure; and cold drilling-mud temperatures of between
15 and 25°C, corresponding to the initial reservoir temperature.
This yields subcool temperatures of between 135 and 245°C,
which is significantly more than 20°C. It must be noted that often
wells are preflowed to clean up before steam is introduced.
Because in these cases fresh water is used with temperatures less
than reservoir temperature, the subcool temperatures might be
insignificantly higher. Also, in case of operational shutdowns, the
operators should know that the shutdown interval should not take
long enough to cool down the liquids inside the wells. By cooling
down the liquids inside the well, the risk of steam hammer is
increased as a result of an increase in the subcool temperature
between injected steam and fluids.

Second, check steam-injection rate (or water-drainage rate). It
is a common mistake to use the Taitel and Dukler (1976) criterion
for the startup phase. This criterion is suggested for the stratified-/
slug-flow boundary of a horizontal or nearly horizontal circular
pipe:

L=2 Psiam S s >1 (26)

Nmp = — >
o pWater 8 AWater(l *hW)z

where o is steam-void fraction. Then, for small void fractions,
both (1 — &)/ and 1/(1 — hy)* will yield infinity, meaning that
the Taitel and Dukler (1976) criterion is met for low void frac-
tions such as those normally present in the circulation phase. This
condition is valid for high steam-injection rates and for admitting
cold water into a system, but the circulation phase involves a pipe
that was originally filled with cold water and steam trying to drain
this cold water out of the system. Not many criteria are suggested
for this scenario. The only valid one is that suggested by Griffith
and Silva (1992) and Griffith (1997), who illustrated two cases,
one for low and one for high drainage (Fig. 8). Rapidly draining
the water left behind creates a wave that leads to a transition to
slug flow. Griffith (1997) suggests continuing to drain the Froude
number to less than 44 to eliminate water hammer:





TABLE 3—INPUT PARAMETERS FOR DRAINAGE EVALUATION IN FIG. 9

1
PSat (Pa) = WTA

Water density
Pwater(kg/m3) = 1001.7 — 0.1616 x T—0.00262 x T2

Specific volume of saturated steam
V, (m3/kg) = [363.9 (P/6894.8) "] /16.0185

V,(m?/kg) = {[490.386/(P/6894.8)] — 0.04703}/16.0185

V,(m®/kg) = {[551.74/(P/6894.8)] — 0.0887 } /16.0185

Parameter Value Range Reference
Inputs used in Babu and Odeh (1989):
Well length (L), m 1500 500-1500 Das 2005; Sharma
and Gates (2011)
SAGD interwell distance (a), m 150 75-150
Drainage Length in y-direction (b), m 2000
Pay-zone thickness (h), m 50
z-coordinate of center of well, m 20
Liner outside diameter (as a wellbore diameter), m 0.2159 (8 5/8in.) 7-95/8in. From Fig. 4
Water viscosity, cp 1
Permeability in horizontal direction, darcies 10 1-10
Permeability in vertical direction, darcies 0.1 Kvertical 0.001-0.1 Kvertical
Water relative permeability 0.05 0.01-0.05 Bennion et al.
(2006)
Skin in formation (Sy) 0 0-10 Edmunds (2000)
Inputs used in Drainage Criterion (Griffith 1997):
Tubing inner diameter 0.077 (3.068 in.) 0.062-0.101 (2.441 —3.958in.) From Fig. 4
Saturation pressure
5 326,57 \? . .
Logqg Psat (Pa) =10 {9.8809 - (2.42223 + m) } 100°C < T < 275°C Moss (1903) [from

Butler (1991, 521)]

275°C < T < 373.95°C Simplified equation

from curve fit

10°C < T < 290°C Butler (1991, 487)

50 Pa < P < 500 Pa 15' Eq. (Farougq Ali
1974)
2" Eq. (Ejiogu and
Fiori 1987)
3 Eq. (Ejiogu and
Fiori 1987) [from
Butler (1991, 487)]

500 Pa < P < 1500 Pa

1500 Pa < P < 2500 Pa

2
P Uy
Water Drain 44

Pwater — PSteam & IDTUbingSine
(To Avoid Steam Hammer )

Frprin =

where upyi, is draining velocity; IDtuping is the ID of the injection
or production tubing (normally the injection tubing is smaller;
then it is more prudent to use the injection-tubing ID); and 0 is in-
clination of the tubing from the horizontal. The draining velocity
(Uprain) can be calculated from the Babu and Odeh (1989) method,
which is mostly used in the petroleum industry to evaluate the
injectivity for horizontal wells. This method is discussed in detail
in Appendix A.

Because the initial water saturation is greater than the irreduci-
ble water saturation in the startup phase, water mobility is many
times greater than bitumen mobility in Alberta bitumen reservoirs
because of the large difference in viscosities under initial reser-
voir conditions. For example, water viscosity under reservoir con-
ditions is approximately 1 cp, whereas bitumen viscosity in the
Athabasca deposit is greater than 1 million cp [i.e., in the range of
2 to 5 million cp (Collins 2005)]. In the startup phase, the bitumen
is nearly at its maximal plausible saturation. The relative perme-
ability of bitumen is roughly equal to unity, whereas the water is
nearly at irreducible saturation, and because of coreflood relative
permeability experiments (Bennion et al. 2006), the relative per-
meability of water is low (e.g., 0.001). The following equation
shows that mobility is substantially higher for water than for
bitumen:

10

k; =3 kny _0.001
e =10° = =107
(uo 1,000,000 cP ) < (uw 1 cP )

As a result, the bitumen is largely immobile, and the water is
the only mobile phase. It behaves as a single phase within the res-
ervoir medium. This idea is supported by field evidence. Aherne
and Maini (2006) show that the water moves horizontally through
the bitumen zone by interpreting pressure data from bitumen-zone
piezometers in three nearby observation wells during a cold-
water-injectivity test at the Underground Test Facility (UTF)
Phase A SAGD pilot. This implies that the initial water saturation
is higher than the irreducible water saturation in Athabasca and
Peace River reservoirs.

The water is mobile ahead of the small steam-chamber front in
the circulation period, and there is a large pressure gradient nor-
mal to the steam-chamber interface. There is high steam pressure
inside the steam chamber and comparatively low reservoir pres-
sure. This pressure difference across the chamber interface drives
steam condensate into the oil sands ahead of the chamber edge.
This is the major controller of water drainage in the startup phase,
and as discussed, the Babu and Odeh (1989) model is easily used
with water as the only mobile phase. Table 3 presents the inputs
for the Babu and Odeh (1989) model. Sections A and B of Fig. 9
present the variation of drainage velocity (or injectivity) for
SAGD wells in the circulation phase for different injection pres-
sures. Sections C and D of Fig. 9 present the resulting Froude
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Fig. 9—Variation of water-drainage velocity in SAGD wells at circulation phase vs. differential injection pressure by use of Babu
and Odeh (1989) model for different liner size (Section A) and for different reservoir permeabilities (Section B), and resulting drain-
ing Froude number for small tubing size (i.e., OD =2 7/8 in. and ID = 2.441 in.) (Section C) and for large tubing size (i.e., OD =4 1/2

in. and ID = 3.958 in.) (Section D).

number. Section A in Fig. 9 shows a small increase in drainage ve-
locity because of a change in the liner size from 4 1/2 to 20 in.
Knowing that liner sizes in SAGD projects normally change from
7109 5/8 in. (see Fig. 4), one can neglect the liner size in the drain-
age-velocity evaluation. The reservoir-permeability effect is com-
pared in Section B of Fig. 9. Drainage velocity varies greatly with
reservoir permeability. The draining Froude numbers for two dif-
ferent tubing sizes (i.e., small tubing size with OD =2 7/8 in. and
ID =2.441 in. in Section C and large tubing size with OD =4 1/2 in.
and ID =3.958 in. in Section D) are compared for different incli-
nation angles. The smaller tubing size, which is typical for injec-
tion wells in SAGD applications (see Fig. 4), is more prone to high
Froude numbers than the larger tubing size, which is most com-
mon in production wells in SAGD applications (see Fig. 4). De-
spite this minor difference, both sizes of tubing are susceptible to
steam hammer in the horizontal parts of the liner for reservoirs
with permeabilities higher than 10 darcies. It is advisable to use
lower differential pressures in high-permeability reservoirs to slow
condensate draining. In other words, condensate can be drained
into a reservoir without causing steam hammer if the steam-injec-
tion pressure is appropriate for “reservoir injectivity.” By that, one
should ensure designing the steam-injection pressure on the basis
of reservoir properties such as permeability, relative permeability,
and initial water saturation to prevent steam hammer.

In SAGD projects, operators are inducing steam over hours
before reaching full circulation. The longer this ramp up is, the
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lower the risk of steam hammer. The operators can reduce the
injection pressure for the early times of circulation in which the
subcool temperature between injected steam and fluids is signifi-
cantly large, and increase pressure after the temperature between
liquids and injected steam is equalized.

Scenario 2—Inside Injection Tubing During Injection Phase.
Barring failure or shock, steam flow is constant and continuous in
injection tubing during the injection phase. One of these shocks,
“differential shock” (i.e., flow shock), occurs in any biphase sys-
tem when steam and condensate flow in the same line at different
velocities. This is common in condensate-return lines in steam
systems and can also occur in injection tubing during the injection
phase. To control flow shocks and water hammer, condensate
velocities (i.e., of liquid and flash steam) must be lower than
4,500 ft/min to prevent system water hammer. In SAGD-injec-
tion-well tubing, flow hardly reaches one-quarter of this value. A
detailed discussion is provided in Appendix D.

On the basis of Griffith (1997), the only way to avoid steam
hammer is to reduce liquid holdup to less than 0.2, which, without
calculations, is roughly valid for steam qualities higher than 80%.
However, 80% steam quality is very low for most SAGD projects.
As discussed, holdup larger than 0.2 is unlikely for steam qualities
higher than 80%, but more-detailed analysis is required because
water holdup is also governed by properties other than water qual-
ity. Fig. 10 presents an evaluation of the holdup variation for
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Fig. 10—Variation of the condensate holdup vs. tubing ID for two different injection rates (Section A); the variation of the conden-
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different parameters’ effect on condensate holdup in SAGD wells,

on the basis of Taitel and Dukler (1976). Secti
presents the variation of condensate holdup vs.

on A of Fig. 10
the ID of tubing

for injection rates of 0.5 and 5 kg/s. For this analysis, the injection

temperature is 270°C, which is on the high end

of the spectrum

for SAGD [i.e., SAGD temperatures range between 150 and

270°C (Garnier et al. 2008; Xie and Zahacy 2011

)]. Injection rates

in SAGD wells commonly vary between 0.5 and 5 kg/s. (i.e.,
between 43.2 and 432 t/d, or between 43.2 and 432 m® eq. water/d

of volume). A detailed discussion is provided in

Appendix D. As

can be seen, there is no difference for steam qualities lower than

12

99%, meaning that the effect of injection rate on condensate-
holdup values is minor in SAGD injection tubing. In the case of
lower injection rates, this is not a valid conclusion, as shown in
Section B of Fig. 10. Section C of Fig. 10 presents the same figure
as Section B of Fig. 10, in which flow regimes are represented by
different colors. Green means that both steam and condensate
flows are turbulent (i.e., with a Reynolds number larger than
2,000); orange means that steam flow is turbulent whereas con-
densate flow is laminar; and red means that both steam and con-
densate are laminar (i.e., Reynolds number lower than 2000).
When flow is turbulent, the injection-rate effect on condensate-
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Pressure Along the Liner

Prone to Water and Bitumen Inflow

Steam

Reservoir Pressure

Reservoir Pressure

Fig. 11—lllustration of pressure variation along the injector,
which may cause water or bitumen inflow into the injection
liner. Section A illustrates pressure variation in the case of
heel/toe injection, and Section B illustrates pressure variation
in the case of toe injection.

holdup values is minor, but when condensate moves in laminar
flow (i.e., Reynolds number lower than 2000), an increase in the
injection rate will decrease the condensate holdup and will be less
likely to cause steam hammer. Section D of Fig. 10 presents the
variation of condensate holdup in 3 1/2-in. tubing [i.e., the most
common injection tubing in SAGD wells (see Section A of Fig.
4)] vs. the injection rate for different steam qualities. The same
color scale is used as in Section C of Fig. 10. Section E of Fig. 10
presents the variation of condensate holdup vs. temperature varia-
tion for an injection rate of 0.5 kg/s (i.e., 43.2 m> eq. water/d of
volume). As can be seen, for suggested tubing ID and injection
rate, for steam qualities lower than 93%, the risk of water hammer
is increasing for higher steam temperatures. This is because of a
dramatic increase of the condensate holdup with steam tempera-
ture. But, the variation of condensate holdup vs. a temperature
variation of steam temperature for steam qualities higher than
93% depends on condensate-flow regime. The holdup variation
experiences a rapid drop at a point at which the condensate-flow
regime changes from “laminar” to “turbulent.” Besides this point,
the increase in temperature will increase the holdup and conse-
quently the risk of steam-hammer phenomena.

As shown in Fig. 10, the variation in holdup is complex, and
there is no dominant trend, but it is obvious that, for a constant
injection rate, increases in steam quality reduce holdup value. The
main complexity comes from the effects of changes in flow re-
gime on holdup variation. However, it is obvious that condensate
holdup hardly reaches 0.1 in cases without water inflow from the
reservoir for steam quality of less than 80%. Then, on the basis of
Griffith (1997), the condition for steam hammer (i.e., liquid
holdup higher than 0.2) is not satisfied. So, if steam quality is held
greater than 80%, the occurrence of steam hammer can be con-
trolled, as long as there is no inflow from the reservoir.

As discussed on the basis of Section D of Fig. 10, the best way
to avoid steam hammer is to ensure that steam quality is higher
than 80% under all conditions. Although this condition is valid
in most SAGD operations, even in 100% saturated steam injec-
tion, there is reservoir inflow that may cause steam hammer.
However, this mostly happens when the injection is stopped or
the injection pressure in locations of the liner is smaller than res-
ervoir pressure (Fig. 11). The latter happens when the frictional
pressure drop along the liner is large, which mostly occurs in long
horizontal wells (see Section A of Fig. 11) or under conditions in
which injection originates from one location (e.g., toe injection,
as shown in Section B of Fig. 11). The barbell-shaped steam cav-
ern common in conventional SAGD practice is the result of a non-
uniform pressure profile along the liner. This scenario can be
studied by use of the model presented by Chun and Yu (2000a,b).
Egs. 17 and 18 can be used to study the variation of critical feed-
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water-flow rates from the reservoir for different parameters, caus-
ing steam hammer in injection tubing. Fig. 12 presents the
variation of critical feedwater-flow rate from the reservoir for dif-
ferent parameters, causing the steam hammer in injection tubing.
For the results shown in Fig. 12, the water and steam properties
are evaluated by use of the correlations presented in Table 4.

Section A of Fig. 12 presents the variation of critical feed-
water-flow rate vs. tubing-length/-diameter ratio for a steam-
injection temperature of 270°C. The upper and lower limits in
Fig. 12 are calculated with Eqgs. 17 and 18, suggested by Chun
and Yu (2000a,b). The red zone in Section A of Fig. 12 is called
the “steam-hammer window.” Well conditions should be kept out
of this zone to resist steam hammer. As shown in Section E of
Fig. 12, the upper limit for the well-length variation of SAGD
wells is even higher than the maximal typical steam injection
(i.e., 500 t/d), meaning that if steam hammer occurs, it is impossi-
ble to get enough inflow from the reservoir to stop it. However,
the lower limit is easily reachable in most SAGD wells if a bar-
bell-shaped steam cavern starts to form. As shown in Section B of
Fig. 12, steam hammer is more difficult to manage for higher
steam-injection temperatures. Even in shorter heel tubing (which
is more prone to steam hammer), inlet water-flow rates of nearly
10 t/d are needed for steam hammer to occur. The inlet water-tem-
perature effect on steam hammer is explored in Section C of Fig.
12. This figure shows that as the formation becomes warmer, the
chance of steam-hammer occurrence reduces rapidly (note that
the y-axis is in log scale). This is promising because the nonuni-
form pressure along the liner worsens when mobility around the
well increases. This means that warmer formations with higher
mobility (which increase water flow inside the injection line) have
lower limits for steam-hammer onset.

The effect of tubing size is explored in Section D of Fig. 12.
As can be seen, the steam-hammer window can be shifted to
higher water inflows. By changing the tubing diameter from 2 7/8
in. to 4 1/2 in., the lower limit of the steam hammer shifts to three
to four times its original value. However, it should also be noted
that there is a tendency for higher reservoir flow rates into larger
injection liners, which are mainly used with larger tubing (see
Section A of Fig. 4).

Both the length effect and warming effect are explored in Sec-
tion E of Fig. 12. The lower limit (the important limit for SAGD
applications), and therefore the critical water inflow, does not
vary greatly with increases in length after the first 100 meters.
Both Sections C and D in Fig. 12 support the idea that warming
formations increases critical water inflow and the chances of
steam hammer.

In this study, it is assumed that the tubing is clean and there is
no sand present. Normally, the accumulation of sand is small, and
it exists only at the bottom of the tubing. Because the sand accu-
mulates at the bottom of the tubing, it affects only the condensate
flow. The sand accumulation can be considered as “roughness of
the pipe.” As observed in charts presented by Moody (1944), for
laminar flow, the hydraulic friction is independent of relative
roughness. As shown in Section E of Fig. 10, for SAGD operation
with steam quality higher than 99%, the condensate-flow regime
is laminar. Thus, in case of a steam quality of 99% and greater,
there is no difference between clean tubing and the tubing with
small sand accumulation. The difference is pronounced wherein
the condensate-flow regime is turbulent. In turbulent flow, the
laminar layer next to the wall is so thin that the relative roughness
dominates the flow character. In this case, the equation suggested
by Colebrook and White (1937) can be used. Including the rough-
ness will increase the condensate hydraulic drop, and condensate
holdup will be increasing. Accordingly, the sand accumulation
will increase the steam-hammer potential for steam qualities
lower than 90%.

Scenario 3—Inside Production Tubing During Injection
Phase. The risk of steam hammer is minor inside production tub-
ing, but steam does enter production tubing in two scenarios that
can potentially result in steam hammer. In the first scenario, flash
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Fig. 12—Variation of critical feedwater-flow rate from the reservoir for different parameters, causing the steam hammer in injection
tubings. The variation of critical feedwater-flow rate is presented vs. tubing-length/-diameter ratio for steam-injection temperature
of 270°C (Section A); the variation of critical feedwater-flow rate is presented vs. tubing-length/-diameter ratio for different steam-
injection temperatures (Section B); the variation of critical feedwater-flow rate is presented vs. inlet water temperatures for differ-
ent injection temperatures (Section C); the variation of critical feedwater-flow rate is presented vs. length/diameter ratio for differ-
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(Section E).

steam occurs in production tubing when condensates discharge
into it, because the production wells in SAGD application operate
at lower pressure. It is generally accepted that optimal injection
wells should be designed to ensure that the average pressure drop is
less than 45 kPa for well pairs with a vertical separation of 5 m
(Vander Valk and Yang 2005, 2007). The suggested pressure dif-
ference between injector and producer is assigned solely as the
hydrostatic difference of the fluid mixture acting over the differ-
ence of injector and producer true vertical depths [i.e., (5 —

14

2x0.21) x 1014 x 9.81 =45.4 kPa]. [In this calculation, 5 m is
the distance between the injector and the producer in SAGD proj-
ects; 0.2191 m (8.625 in.) is the OD of the most common liner used
in SAGD projects; 1014 kg/m® is the density of 8° API Athabasca
bitumen at 15.5°C (60°F); and 9.81 m/s is the acceleration of grav-
ity.] In normal SAGD operations, the pressure drop between injec-
tor and producer is in the range of 100 kPa (Mukherjee et al. 1995,
586), but is reported to be as high as 800 kPa in the B1 well pair of
the UTF project (Mukherjee et al. 1995, 591; Kisman 2001, 2003).
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Fig. 13—lllustration of subcool temperature effect on steam flashing in production tubing.

High pressure drops are expected where there are either shaley
zones between the injector and the producer or high skin around
the injector and producer (see Section A of Fig. 13).

In the second scenario, there can be significant pressure losses
in the hundreds of meters of well section open to production.
[SAGD well lengths are typically in the range of 500 to 1500 m
(e.g., Shell wells in Peace River are 1500 m in horizontal length,
and AOSTRA UTF Phase B wells are 500 m).] These losses are
caused by friction, slippage, and acceleration between phases
(Perdomo et al. 2008). A pressure drawdown will develop along
the section open to production. This can be a secondary cause of
steam flashing in the heel, which has lower pressure than the toe
(see Section B in Fig. 13). It can also generate localized gas con-
ing in the heel (Perdomo et al. 2008), inducing steam hammer
there (see Section C of Fig. 13).

This study focuses on the effects of steam-trap subcool on
steam hammer. The situation referred to in the preceding para-
graph can cause problems in electrical submersible pumps (ESPs)
and progressing cavity pumps (PCPs), and may increase the
chance of the “geyser effect,” but regarding conditions in produc-
tion wells, the author believes that steam hammer is minor if
proper subcooling controls are in place. Although subcooling is
essential for steam hammer to occur, on the basis of Griffith
(1997), there is a limit of 20°C of subcooling for it to occur, as

TSteam - TWaler > 20°C

where Tseeam 1S saturation temperature for the nominal local pres-
sure (in °C) and Ty, is the actual temperature of the water (in
°C). On the basis of this concept, the steam flashing in production
tubing cannot cause further steam-hammer instability because the
subcool temperature is nearly zero in the case of steam flashing.
In steam flashing, steam and water are in equilibrium, and there is
little to no differential temperature between steam and water. It
must be noted that this subcooling limit is based entirely on expe-
rience in low-pressure systems and can be conservative for high-
pressure systems such as downhole SAGD production tubing.
Although flashing cannot cause steam hammer, it can be associ-
ated with instabilities referred to as the “geyser effect,” mostly
observed in gas lift and steam/gas lift processes. The “geyser effect”
happens when fluid is being lifted. In these cases, fluid pressure can
fall from 3000 kPa at the bottom of a typical SAGD hole to 400 kPa
near the surface (Kisman 2001, 2003). This large reduction causes
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steam flashing in production tubing near the surface, in turn causing
instabilities and geysering. (When hot condensate under pressure is
released to a lower pressure, its temperature must very quickly drop
to the boiling point for the lower pressure. The surplus heat is used
by the condensate as latent heat, causing some of it to re-evaporate
into what is commonly referred to as “flash steam.” This phenom-
enon causes tubing failure and steam blowout similar to a geyser.)
Steam flashing in the production wells as a result of pressure drop
between the injector and producer and pressure drawdown along
the tubing may exacerbate instabilities associated with the geyser
effect. However, usually there are only minor amounts of steam
from flashing in comparison with noncondensable gas, originating
from gas lift and/or solution gas (i.e., the methane dissolved in
Athabascan bitumen).

Steam hammer is plausible only with significant steam coning
in the production tubing. The breakthrough steam meets the
requirement of Eq. 29. The steam-trap subcool controls steam
breakthrough in the production well. (The steam-trap subcool is
the temperature difference between the injected steam and pro-
duced fluids, which are condensate plus bitumen. The steam-trap
subcool mostly refers to the subcool temperature in SAGD litera-
ture. However, in this study, the differentiation between steam-
trap subcool and water subcool is referred to as “steam-trap sub-
cool.”). The optimal steam-trap subcool value will be different for
each well pair in a SAGD project, and will vary over time (Kis-
man 2001, 2003). The steam-trap subcool values at the UTF Phase
B pilot were reported to lie between 3 and 10°C (Mukherjee et al.
1995). Ito and Suzuki (1999) studied steam-trap control with a
simple 2D grid system. They demonstrated that the optimal
steam-trap subcool values (i.e., on the basis of the optimal steam/
oil ratio for the Hangingstone reservoir) occur between 30 and
40°C. In considering 2D and 3D effects in SAGD steam-trap con-
trol, Edmunds (2000) found that optimal steam-trap subcool val-
ues lie between 20 and 30°C. On the basis of evidence, most
steam-trap subcool values meet the requirement in Eq. 29. How-
ever, Edmunds (2000) discussed the concept of steam break-
through, and the idea that typical subcool control between 5 and
20°C would likely draw steam into the production liner at certain
sections which, on the basis of previous discussion and higher
pressure drop at the heel, are more prone to breakthrough at the
heel. Such breakthrough is plausible only at low steam-trap sub-
cool, which is in the range of 5 to 20°C (see Fig. 13). As Edmunds
(2000) presented, in the low steam-trap subcool, the condensate in
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the production liner is very hot and cannot meet the requirement
in Eq. 29. Subcool temperatures lower than 5°C can lead to liquid
levels very close to the producer, resulting in sand being passed
on to the producer, potentially causing great damage to pump and
production facilities. It must be noted that desired steam-trap sub-
cool can be easily achieved by reducing and increasing the pro-
duction rate in low and high subcool cases, respectively.

Considering the presented issues, steam hammer is unlikely in
production wells. The geyser effect in steam-lifting (Edmunds
and Good 1996) and gas-lifting projects, and sand production for
ESPs and PCPs, are some of the potentially major issues for very
hot subcool.

Conclusions

The key elements in steam hammer are liquid holdup, steam ve-
locity (or injection rate), pipe inclination, and liquid subcool tem-
perature. Many experimental and theoretical investigations [such
as Barna et al. (2008, 2010a,b) and Imre et al. (2010)] confirm the
following six conditions proposed by Griffith (1997) that must be
fulfilled to cause steam hammer:

e The tubing must be almost horizontal (i.e., less than 5°).

e The subcooling must be greater than 20°C.

e The L/D (length/diameter) ratio of the tubing must be greater
than 24.

e The velocity must be low enough that the pipe does not run full
[Griffith (1997) proposed that the Froude number be less than
unity].

e There must be a void nearby.
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represents increase of this parameter will decrease

e The pressure must be high enough to cause significant damage
to occur [Griffith (1997) proposed that the pressure be greater
than 10 atm].

Because all six conditions are satisfied for SAGD wells, this
study examines the relative roles of different parameters such as
temperature, tubing size, and injection rate on steam hammer in
SAGD wells. Three different scenarios are explored—startup
phase (or circulation phase), inside injection tubing during injec-
tion phase, and inside production tubing during injection phase.
Steam hammer is most likely in the startup phase because of the
high temperature difference between injected steam and cold dril-
ling mud inside the wells before circulation. Although steam
hammer is highly probable in the circulation phase, it can be con-
trolled by lowering injection pressure and controlling water drain-
age into the reservoir. The second most likely scenario is within
injection tubing during the injection phase. Flow shocks because
of CCFL are very likely. Steam quality and injection rate are the
main controllers in this scenario. SAGD injection pressure, injec-
tion rate, and quality should be designed to circumvent steam
hammer. On the basis of the liquid-holdup analysis suggested by
Taitel and Dukler (1976), steam hammer should not be a concern
for steam qualities higher than 80%, in case there is no inflow
from the reservoir. In cases of reservoir inflow, the design is more
complex, and different properties such as tubing size and the
length/diameter ratio of SAGD wells need to be considered to
avoid steam hammer. The least likely scenario is production tub-
ing during the injection phase. Steam may leak inside production
tubing only in very hot cases in which the temperature differential
between produced liquids and steam is less than 20°C. As such, it
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Water and steam properties:

TABLE 4—INPUT PARAMETERS FOR STEAM-HAMMER-ENVELOPE EVALUATION IN FIG. 12

Reference

Saturation temperature

Saturation pressure

326.57 \?
_ 106 _
Log1g Psat (Pa) =10 [9.8809 (2.42223+ 273 5> }

Psqat (Pa) = T4

~ 1000
Water density
Pwater(kg/m?) = 1001.7 — 0.1616 x T—0.00262 x T2

Specific volume of saturated steam

V, (m3/kg) = [363.9 (P/6894.8)"°9%8] /16.0185

V,(m3/kg) = {[490.386/ (P/6894.8)] — 0.04703} /16.0185
V,(m?/kg) = {[551.74/ (P/6894.8)] — 0.0887} /16.0185

Water IFT
owater (N/m) = {B(1—-17)"?°[1+5(1-1)]} x 0.001
B =2358 mN/m
b= —0.625
T(°C) + 273.15
647.096

T =

150-270°C

100°C < T < 275°C

275°C < T < 373.95°C

10°C < T < 290°C

50 Pa < P < 500 Pa
500 Pa < P < 1500 Pa
1500 Pa < P < 2500 Pa

Garnier et al. (2008); Xie and
Zahacy (2011)

Moss (1903) [from Butler
(1991, 521)]

Simplified equation
from curve fit

Butler (1991, 487)

15t Eq. (Farouq Ali 1974);
2" Eq. (Ejiogu and Fiori 1987);
3" Eq. (Ejiogu and Fiori 1987)

[from Butler (1997, 487)]

Vargaftik et al. (1983); IAPWS
(1994)

is concluded that steam hammer is unlikely in production tubing
during the steam-injection phase.

The summary of suggested scenarios and the critical parame-
ters for each scenario are presented in Fig. 14. The critical param-
eters are categorized into two sections: controlling parameters and
reservoir properties. Fig. 14 brings out the major findings of this
study. As a production and facilities engineer, one should ensure
designing the “controlling parameters” best suited for “reservoir
properties.” In Fig. 14, red and green arrows are the negative and
positive effects of the parameter, respectively, and the number of
arrows shows the impact of this parameter on a beginning steam
hammer.

Nomenclature

A = cross-sectional area of tubing (or pipe), m*

A = dimensionless flow cross-sectional area, no unit
Ag = dimensionless steam-flow cross-sectional area, no
unit
Ay = dimensionless condensate-flow cross-sectional area,
no unit
Bwarer = bulk modulus of water, N/m? (or Pa)

B = dimensionless quantity for evaluating the dominating
physics in steam-bubble-collapse phenomenon, no
unit

¢ = sonic velocity in water, m/s

Cmodified = Modified sonic velocity in water, m/s
Cg, = steam constant in the friction-factor correlation, no

unit
Cw = condensate constant in the friction-factor correlation,
no unit
D = pipe or tubing diameter, m
Dg; = hydraulic diameter of steam, m
Dy = hydraulic diameter of condensate, m
D = dimensionless tubing diameter, no unit

Eseer = elastic modulus of steel, N/m? (or Pa)
acceleration of gravity, m*/s

g =
hg, = void fraction, fraction
hy = holdup, fraction
hg = dimensionless void fraction, no unit

2013 SPE Journal

hw

k

k7'0
kyw
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P
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_ QW, in
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Q W, Upper

Rpubble

Tsat
Tw,in
TSleam

TWAler
Usi

= dimensionless holdup, no unit

= absolute permeability of the reservoir, m>

= relative permeability of bitumen, no unit

= relative permeability of water, no unit

= thermal conductivity of water, W/m-°C

= tubing length, m

= exponent in the friction-factor correlation for steam,
no unit

= exponent in the friction-factor correlation for conden-
sate, no unit

= injection pressure, Pa

= dimensionless injection pressure, no unit

= atmospheric pressure, Pa

= steam-condensation rate, m’ /s (or kg/s)

= inflow-water-flow rate, m’/s (or kg/s)

= lower limit for water-flow-rate steam hammer to
occur, m’ /s (or kg/s)

= upper limit for water-flow-rate steam hammer to
occur, m3/s (or kg/s)

= bubble radius, m

S; = interface length between steam phase and liquid

phase, m

= perimeter between steam phase and pipe (or steam
wet perimeter), m

= perimeter between condensate phase and pipe (or
water wet perimeter), m

; = dimensionless interface length between steam phase

and condensate phase, no unit

= dimensionless perimeter between steam phase and
pipe (or steam wet perimeter), no unit

= dimensionless perimeter between condensate phase
and pipe (or water wet perimeter), no unit

= dimensionless inflow-water temperature, no unit

= saturation temperature, K

= inflow-water temperature, K

= saturation temperature for the nominal local pressure,
°C

= actual temperature of the water, °C

= dimensionless steam velocity, no unit
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Uy = dimensionless condensate velocity (or that of any
liquids in the tubing), no unit

F75 . . . . .

Uy, = dimensionless steam superficial velocity, no unit

U;v = dimensionless condensate superficial velocity (or that
of any liquids in the tubing), no unit
Uprain = draining velocity, m/sec
X = Martinelli parameter (ratio of superficial liquid pres-
sure drop to superficial gas pressure drop), no unit
Y = dimensionless inclination parameter (ratio of relative
forces acting on the liquid in the flow direction
because of gravity to pressure drop), no unit
o = steam void fraction, fraction
AP = differential pressure between final system pressure
and initial vapor pressure, dynes/cm>
At = total collapse time for bubble collapse near a solid
surface, seconds
Au = differential velocity at impact, m/s
1, = viscosity of the bitumen, cp
u,, = viscosity of the condensate (water), cp
vs, = steam kinematic viscosity, m?/s
v,, = condensate kinematic viscosity, mz/sec
ow = water IFT, N/m
0 = angle between the tubing (or pipe) axis and the hori-
zontal, positive for downward flow, degrees
ps; = steam density, kg/m?
Py sa = mass density of steam at saturation, kg/m’
pw = water density, kg/m?
= porosity of the reservoir, fraction

<-
\
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Appendix A

The Babu and Odeh (1989) method is discussed in this section.
Babu and Odeh (1989) suggest the following equation to calculate
water injectivity of a horizontal well:

- 7.08 x 1072 by/ke ko (PR — Poy)
B piwger [0 (VA/rwen ) +Ln Cyy — 0.75 4 Sg + Sr]

0

where Q is the flow rate (STB/D); b is an extension of drainage
volume of the horizontal well in the y-direction (ft); £, and &, are
permeability in x- and z-direction, respectively (md); Py is aver-
age reservoir pressure (psi); P,y is average flowing bottomhole
pressure (psi); B is formation volume factor (RB/STB); twer 1S
water viscosity (cp); A is drainage area of horizontal well (ft%);
and S is skin resulting from change in formation permeability.
Cy is geometric factor for square shape, as presented by Babu and
Odeh (1989):

_ a 1 x X0\ 2 .
InCy = 6.28h\/ ky k. {3 P + (a) ] ln(sm
—0.51In[(a/h)\/ ke k;] — 1.088

where a is an extension of drainage volume of the horizontal well
in the x-direction (ft). Sg is skin resulting from partial penetration.
Sg = 0 if the well is fully penetrating; in all other cases, it is
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Fig. A-1—lllustration of dimensions in Babu and Odeh (1989)
model.

greater than zero. Babu and Odeh (1989) consider two cases.
In Case 1, if a/vk, > 0.75b/\/k, > 0.75h/\/k., then Sg =
Py + P, in which

xy?

- (21)

h . . 180°
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Dimensions are illustrated in Fig. A-1 for better understanding.

Appendix B

The steam hammer is a very quick phenomenon. There are a few
studies on collapse-time evaluation. The total collapse time for a
spherical bubble according to Rayleigh (1917) can be calculated
from

At=91.5 RBubble pWater/AP

where pwaer 1S the density of water, Rgyppie i the bubble radius,
and AP is the differential pressure between final system pressure
and initial vapor pressure. Plesset and Chapman (1970) modified
Rattray’s (1951) approach and presented the following equation
for bubble collapse near a solid surface:

At = 100 Rpybble pWater/AP

Then, if the bubble radius (Rpypbie) and differential pressure (AP)
are assumed to be 0.01 m (1 cm) and 10* dynes/cm2 (0.01 atm),
respectively, the total collapse time will be calculated as 0.01 s.
Hao and Prosperetti (1999) show that bubble collapse occurs in
the range of 20 to 60 milliseconds for practical inputs. Barna et al.
(2008, 2010) also evaluate the valve-induced water-hammer-phe-
nomena pressure pulsing in the order of 10 milliseconds. In this
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study, the total collapse time was assumed to be 10 milliseconds
(0.01 sec), the value suggested by Benjamin and Ellis (1966).

Appendix C

The Bernoulli effect (or Bernoulli’s principle) is the same princi-
ple that allows wings to produce lift and planes to fly. Wings are
shaped so that air flows faster over their top than their underside,
producing lift. On the basis of Bernoulli’s principle, the term P +
pV? is constant, and the low-velocity part that is under the wing
has higher pressure, which causes the wing to lift. The same prin-
ciple can be applied to a liquid when a high-velocity steam is
passing over it.

Appendix D

The common steam flow rate in SAGD applications ranges from
400 to 550 m® eq. water/d. For example, the West Ells (Sunshine
Oilsands) project operates at less than 400 m> eq. water/d; the
Algar Creek (Grizzly Oil Sands), Long Lake (Talisman), and
MacKa}y River (Suncor) projects operate at between 400 and
500 m” eq. water/d; the Kirby (Enerplus) project operates at
500 m® eq. water/d; and the Christina Lake (Cenovus) project
operates at between 450 and 550 m® eq. water/d. When consider-
ing the ID of injection tubing (ranging from 2.441 to 3.958 in.)
and the steam/standard-water volume ratio (ranging from 50 to
100; i.e., calculated for steam temperature between 210 and
250°C), the steam flow velocity is in the range of 2400 to 9200 m/
min (7,874 to 30,187 ft/min). The calculated range is between
one-tenth and one-half of the steam-system flow velocity.

Mazda Irani is a reservoir engineer at RPS Energy. He holds a
PhD degree from the University of Alberta, MSc degrees from
the Sharif University, Tehran, and Ferdowski University, Mash-
had, and a BSc degree from Ferdowsi University, Mashhad.
email: irani@ualberta.ca.
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From: Reservoir Containment [mailto:Reservoir.Containment@aer.ca]
Sent: July-29-14 8:20 AM

liedreservoir@lightspeed.ca
Subject: FW: AER draft shallow caprock criteria

As requested, attached are five AER reports. Also, attached is a letter describing the current
consultation process and a feedback form.

From: Mike Carlson [mailto: ]

Sent: Friday, July 25, 2014 12:51 PM

To: Steve Thomas

Subject: AER draft shallow caprock criteria

Steve,

One of my clients has a series of new guidelines.
Could ARE get a copy?

Mike

M.R. (Mike) Carlson, P.Eng.
President

Applied Reservoir Enterprises Ltd.
Unit 35, 5400 Dalhousie Drive NW
Calgary, Alberta

CANADA T3A 2B4

Phone: 403.284-1104
Cell:  403.399-7151

appliedreservoir@lightspeed.ca
http://www.appliedreservoir.ca

This email and any files transmitted with it are confidential and intended solely for the use of the individual or entity to whom they are
addressed. If you have received this email in error please notify the system manager.

This message contains confidential information and is intended only for the individual named. If you are not the named addressee you
should not disseminate, distribute or copy this e-mail.
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